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Abstract

Capturing and storage of anthropogenic carbon dioxide (CO2) 
requires the transport of CO2 with varying combinations of 
impurities depending on the capture technology and source. 
Traditional pipelines are not designed for the transport of such 
relatively low-purity CO2; in fact, initial research indicates that 
a low-purity CO2 environment poses a significant durability 
risk to conventional (gas) pipelines. The presence of water in a 
supercritical CO2 stream will lead to acidic conditions via the 
formation of carbonic acid (H2CO3). In this work, a round robin 
of experiments has been executed in aqueous solutions where 
CO2 has been added to water to form H2CO3 in situ, along 
with testing in sulfuric acid (H2SO4) that was found to simu-
late the impact of H2CO3 upon steel. The role of Cl–, NO3

–, and 
SO4

2– impurities was also investigated. Conclusions have been 
drawn from electrochemical, weight-loss, and optical profilom-
etry results, with future work outlined. While not a replace-
ment to supercritical CO2 experiments, we see that there is 
significant merit in such high throughput tests to form an ini-
tial understanding, which can be subsequently benchmarked 
by supercritical CO2 tests.

Key Words: carbonic, carbon capture and storage, carbon 
dioxide, corrosion, pipeline, supercritical, sulfuric acid

Introduction

Transport of supercritical carbon dioxide (CO2) from 
capture locations to storage locations will require 

cost-effective and durable pipelines. However, to date, 
little is known about the corrosion behavior of steel  
in the presence of CO2 streams that are typical of 
those used in carbon capture and storage (CCS). A 
simplified diagram of the CCS process is presented  
in Figure 1.

Although CO2 corrosion of pipelines used in oil 
and gas industries has been studied widely in the last 
few decades,1-4 in those instances, CO2 is an impurity 
in the stream, not the main component as in CCS. 
Further, CCS pipelines will operate at significantly 
higher pressures so that care must be taken in trans-
lating information from oil and gas transport to CCS. 
The transport of CO2 by pipelines in enhanced oil 
recovery (EOR) systems, however, sees operation under 
similar pressures and temperatures to that which will 
be used in CCS. There are currently ~3,100 miles 
(~5,000 km) of EOR-CO2 pipeline in existence in the 
United States. The EOR-CO2 pipelines have been 
operating for up to 20 years with no significant record 
of corrosion. Such pipelines are operated under strict 
limitations on contaminants, particularly free water, 
hydrogen sulfide (H2S), S compounds, and oxygen.5 

The area of CCS has only started to gain support 
in terms of development and implementation over the 
last decade (compared to renewable energy which has 
been researched since the 1970s) because of the envi-
ronmental risks associated with high CO2 emissions6 
(global warming, etc.). In a recent paper by Goodman, 
et al., the United States Department of Energy (U.S. 
DOE) has developed a methodology for estimating 
CO2 storage potential for oil and gas reserves and 
saline formations7 (“geological storage” step in Fig-
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ure 1). Their interest in this area shows the contin-
ued advancement of CCS despite knowledge gaps in 
the transportation phase associated with supercritical 
CO2 and potential impurities.

The reasons for the need to take care when trans-
lating experience in oil and gas transport to CCS are 
two-fold. First, the precise chemical nature of the 
streams remains unknown and will vary depending 
on the nature of the source (i.e., combustion of fos-
sil fuel—coal, oil and gas in power plants, and indus-
trial processes such as mineral or metal production). 
Second, CO2 from CCS is destined to be transported 
most economically as a supercritical fluid (>7.38 MPa 
[or 70 bar] at about 31.1°C)8 because of its high den-
sity and to avoid complicated two-phase (gas + liquid) 
flow regimes and pressure drop.9 As such, determi-
nation of actual corrosion kinetics in such conditions 
is not trivial, since the CCS pipeline pressure is more 
than 3 times greater than that used for oil and gas. 
Only recently has experimental data collection been 
attempted and reported,10-12 where a limited but criti-
cal data set will emerge in coming years.

As seen in Figure 1, capture and compression of 
CO2 precedes the transportation phase, hence deter-
mining CO2 stream composition. Table 1 gives an ap-
proximation of the stream composition based on the 
three primary capture technologies—post-combustion, 
pre-combustion, and oxyfuel. The source of CO2 for all 
three technologies is from coal-fired power stations.

From Table 1, this compilation of data shows  
that post-combustion yields the highest percentage  
of CO2 at 99.97% purity. All three processes are able 
to yield high-purity CO2, but are held back by the 
same technical difficulty—the challenge of limiting 
NOx and SOx impurities. In recent months, the oxyfuel 
process has been discussed widely as being one of 
the most promising processes for CCS, with research 
focused on reducing NOx and SOx by using flue gas 
cleaning systems.14

In a study by Ayello, et al., electrochemical 
impedance spectroscopy (EIS) results revealed detri
mental effects from the addition of low volumes of 
impurities (1 mM hydrochloric acid [HCl], 1 mM nitric 
acid [HNO3]) to a 1,000 ppm CO2-H2O solution. Corro-
sion rates increased from 0.1 mm/y to 5.6 mm/y with 
HCl and 4.5 mm/y with HNO3. This was believed to be 
attributed to a low dilution factor when water levels 
are low. Thermodynamic modeling also revealed that 
higher volumes (0.5 M to 1 M) of impurities would 
further increase corrosion rates, though there is still 
limited knowledge on the chemical reactions that 
potentially could occur.12 Subsequently, experimen-
tal tests in this paper aim to fill this knowledge gap by 
providing corrosion rates of Cl–, NO3

–, and SO4
2– impuri-

ties in a similar acidic environment.
In a recent review by Cole, et al.,5 four regimes 

with different risks of corrosion were outlined for 
supercritical CO2 transport.

Very Low Contaminant Levels and Extremely 
Low Water Content

In this regime, corrosion damage is minimal or 
nonexistent. It contains very low contaminant levels 
and extremely low water content. In a laboratory 
study conducted by McGrail, et al.,15 it was indicated 
that approximately 600 ppmw is the critical value  
for water content from which corrosion will occur. 
This concurs with the EOR-CO2 transport limit of  
600 ppmw. However, this is in contrast with the work 
of Ayello, et al.,10 who found significant corrosion at 
100 ppmw.

Low Contaminant Levels and Water Content 
Below the Solubility Limit

In this regime, contaminant levels are low but 
water content has exceeded the critical value. Cor-
rosion starts to take place at 0.38 mm/y16 in the 
absence of impurities. However, at this stage, water 
content is still below the solubility limit so a separate 
phase does not occur.

Low-Moderate Contaminant Levels and Water 
Content Above the Solubility Limit

In these regimes, the solubility limit of water 
in CO2 has been exceeded, resulting in a separate 
phase. The difference between these two regimes is 
the increased concentration of impurities, where they 

Table 1
Possible CO2-Rich Gas Composition 

from Post-Combustion, Pre-Combustion, and Oxyfuel 
Capture Based on a Coal-Fired Power Station13

		  Post-Combustion	 Pre-Combustion	 Oxyfuel 
	Component	 (vol%)	 (vol%)	 (vol%)

	 CO2	 99.97	 96.39	 95.80 
	 CH4	 —	 0.01 
	 N2	 0.0033	 0.2	 1.23 
	 H2S	 —	 0.6	 — 
	 C2

+	 —	 —	 — 
	 CO	 —	 0.4	 — 
	 O2	 0.0033	 0.2	 1.23 
	 NOx	 0.01	 —	 0.01 
	 SOx	 0.01	 —	 0.5 
	 H2	 —	 2.0	 — 
	 Ar	 0.0033	 0.2	 1.23

Figure 1. Simplified diagram of CCS process.
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tend to segregate into the aqueous phase containing 
CO2, carbonic acid (H2CO3), and water.

The purity of the gas stream is controlled by pol-
lutant control measures at the power plant or other 
sources of CO2, by the effect of CO2 capture and gas 
conditioning prior to piping the gas. The first regime 
is typical of CO2 transport in EOR in the USA (under 
Kinder Morgan guidelines5) and would prevail if CO2 
were extracted using monoethanolamine (MEA) in 
a plant with strong pollution control measures and 
gas conditioning to lower the water content below the 
pressure solubility limit (500 ppm in CO2). The sec-
ond regime would occur if gas conditioning was lim-
ited or there was a limited source of H2O in the pipe. 
The third could occur in the absence of gas condi-
tioning, or with additional sources of H2O, while the 
fourth would occur without gas conditioning and lim-
ited cleaning of the gas at source.

In the CCS process, potential damage may occur 
to ferrous pipelines when the CO2 stream is contami-
nated by free water (H2O),15,17 resulting in the in situ 
formation of H2CO3. A relatively high acid concentra-
tion may evolve, owing to the high operating pres-
sure, which allows a (relatively) high solubility of  
CO2 in water.18 Empirical evidence suggests that cor-
rosion rates can increase by two times (1.2 mm/y to 
2.5 mm/y) when water concentration is increased 
(100 ppm to 2,000 ppm).10 The in situ speciation of 
H2CO3 in the aqueous phase leads to the generation  
of low pH, ~3.2, as determined by Ayello, et al.,10 via 
experiments and simulation.19 This is an environment 
that is aggressive and detrimental to carbon steels 
including mild and X-60/65/70/80 grades. Experi-
ments have shown that carbonate (FeCO3) layers can 
form on a steel surface, which is susceptible (as a 
result of the instability of the layer) to corrosion in 
acidic solutions.18 Despite this, ferrous metals are 
essentially the only viable candidate for CCS pipelines 
based on the operating pressure of such pipelines. 
Another concern is pressure drop in pipelines that 
occur because of frictional forces, thus reducing the 
solubility of water in the CO2 phase, which could lead 
to the formation of an aqueous phase.20

To date, experimental and theoretical works have 
found that the lowest pH attributed from H2CO3 alone 
is about 3.2.5 In addition, the aggressive nature of 
impurities such as sulfates (SOx), nitrates (NOx), and 
chlorides (Cl–) from capture technologies21-23 can cause 
an additional, and presently uncharacterized, dura-
bility threat. Current capture technologies include 
absorption, adsorption, and membrane and cryo-
genic processes, of which chemical absorption via sol-
vents (i.e., MEA) will be the most likely candidate for 
commercial purposes.24 In a water-CO2 system, these 
impurities tend to segregate into the aqueous phase, 
which can potentially drop the pH further by the in 
situ formation of sulfuric acid (H2SO4) and nitric acid 
(HNO3) (in addition to the existing H2CO3). Experi-

mental work has shown that corrosion rates are four 
times greater (than in pure supercritical CO2) when 
trace levels of HCl and HNO3 impurities are added in 
supercritical CO2 with an aqueous phase, despite no 
changes in water solubility limit.10

At present, no construction or operation stan-
dards for CCS pipeline transportation have been 
developed at the national level; however, while there is 
now much activity in this area,7 there remains insuf-
ficient benchmark data for both the stream chemis-
try and corrosion rates achieved in the presence of 
H2CO3 to understand fully the extent of damage from 
supercritical CO2 corrosion. To begin to understand 
the amount of damage accumulated in such environ-
ments, the goal of this study was to use environments 
that may begin to simulate the aqueous phase in 
impure supercritical CO2 by the use of simulants  
(CO2 in water, alternate acid, and impurities), on the 
premise/hypothesis that corrosion damage is dictated 
by acid strength (and subsequently the concentration 
of H2CO3 in practice). To rationalize the hypothesis, 
Figure 2 shows a schematic simplified phase diagram 
for the water-CO2 system.

What can be seen from Figure 2 is that there are 
conceivably three phase fields (simplified by neglect-
ing pressure and intermediate phases). The phase 
that poses the corrosion risk is H2CO3. The existence 
of H2CO3 in the CO2 stream as a result of trace levels 
of water in CO2 is indicated by point A. The existence 
of H2CO3 in water is indicated by point B, suggesting 
that a given concentration of H2CO3 can be achieved 
in conditions that readily allow the kinetics of corro-
sion to be measured.

Consequently, in this paper, we standardized the 
electrolyte nomenclature according to the concentra-
tion of H2CO3 present (to allow a pressure-indepen-
dent parameter to be established for which data in 
supercritical CO2 conditions ultimately can be com-

Figure 2. Simplified phase diagram of the water-CO2 system (from 
left to right), showing CO2 in water (100% H2O + H2CO3), an aqueous 
region containing H2O and CO2 with H2CO3 in H2O, and water in CO2 
(100% CO2 + H2CO3). 
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pared), along with the solution pH that arises for a 
given H2CO3 concentration. We additionally studied 
the impact of some common impurities in the context 
of corrosion rates measured electrochemically, and 
damage accumulation (profilometry, weight loss, and 
thickness loss). The environment of the experimental 
tests herein mimics conditions relative to regime four, 
where gas conditioning and cleaning of the gas at the 
source is very limited or non-existent.

This work will form part of a baseline for cor-
rosion rates in supercritical CO2 systems in a high 
throughput manner (owing to the use of aqueous elec-
trolytes), and be particularly useful when calibrated 
with high-pressure data in follow-up experiments 
(which is inherently a low throughput methodology).

Experimental Procedures

Four different tests were conducted to quantify 
corrosion in the presence of acid electrolytes in the 
laboratory setting. Potentiodynamic polarization tests 
were conducted to reveal kinetic and mechanistic 
aspects related to electrochemical processes; weight-
loss and thickness loss tests were able to give a 
ground truth/cumulative representation of corrosion; 
finally, optical profilometry was able to reveal corro-
sion mode in regard to where there was pitting, etc., 
in addition to quantifiable damage statistics.

Experimental Procedures for Electrochemical 
Tests in Carbonic Acid Environments

Since H2CO3 only exists in solution, water was 
routinely carbonated in-house via high-pressure CO2 
injection (using compressed CO2 and a Soda Stream† 
apparatus). In all cases, Melbourne (Australia) tap 
water was used to serve as a better simulant to 
impure water than distilled H2O would. As the pH of 
solutions containing H2CO3 increases over time in the 
open environment (i.e., carbonation), their pH was 
measured with an electronic pH meter before and 
after the experiments to ensure accuracy. Ideally, the 
idea of the experiment was to obtain results in solu-
tions that ranged from low to high pH, corresponding 
with various concentrations of H2CO3. However, since 
atmospheric pressure was used in these experiments, 
a range from pH 3.5 to ~7 was obtained. The pH was 
increased from 3.5 to desired levels by addition of 
water while monitoring with the pH meter. The mini-
mum pH achieved of 3.5 is not too dissimilar to the 
theoretical pH achieved at higher pressures as 
reported by Choi and Nes̆ić.18 However, in this work, 
to expand the range of pH of the test solutions, addi-
tional tests were undertaken to gain results over a 
wider (i.e., lower) pH range (pH 1 to 7), using solu-
tions prepared with H2SO4 to simulate the concen-
trated acidic environment present in supercritical CO2 

conditions. The samples used for testing were carbon 
steel (UNS G15256) sheet (0.22% to 0.29% carbon), 
with a surface preparation of 1200 grit silicon carbide 
(SiC) paper. 

Electrochemical tests were conducted using a 
Biologic SP-50† potentiostat and a purpose-built 
three-electrode “flat cell.” The cell consisted of a plas-
tic vessel with cut-outs to accommodate 1 cm2 of sam-
ple exposure to the electrolyte (carbonated water), as 
well as the reference and counter electrodes. The ref-
erence electrode used was a saturated calomel elec-
trode, while a titanium mesh electrode (approximately 
2 cm by 7 cm) was used as the counter electrode. 
A Luggin probe was not required for these experi-
ments. Three sets of experiments were conducted 
at every ~0.5 pH increment with 100 mL of respec-
tive test solution, where all experiments were done in 
quiescent conditions. The cell had cut-outs to allow 
injection of CO2 as needed, and a cut-out to allow con-
tinual pH monitoring. Under the control of EC-Lab,† 
experiments began with an open-circuit potential 
(OCP) exposure of 10 min followed by a potentiody-
namic scan (PDS) at a scan rate of 1 mV/s.

Experimental Procedures for Long-Term Tests 
Including Weight Loss and Optical Profilometry

Steel samples with an approximate size of 1 cm 
by 1 cm were prepared. Samples then were divided 
into groups depending on the intended exposure, with 
each having 3 sets. Before experiments commenced, 
surface preparation included grinding to 1200 grit SiC 
paper under ethanol. Sample dimensions were mea-
sured with digital calipers and then weighed with a 
digital balance to 4 decimal places (of grams). Immer-
sion time was 1 week in all cases.

After carefully removing the samples from the 
exposure beakers, any corrosion product was removed 
by a slight brushing following a 10 s agitation in a 
dilute HNO3 solution. They then were measured with 
the digital calipers and balanced again to quantify 
changes in dimension and weight loss that occurred. 
Surface analysis was also conducted on these sam-
ples using a Veeco Wyko NT1100† optical profilometer. 
Each surface was sampled 3 times at random loca-
tions; and output from profilometry analysis was  
used to quantify pit depths and density upon the 
samples.

Results and Discussion

Polarization Test Results Analysis
Example Polarization Curves — Rather than pres-

ent large amounts of raw polarization data, typical 
plots are seen in Figure 3.

Figure 3 reveals that increases in corrosion rate 
associated with acidic electrolytes are largely governed 
by increases in the rate of the anodic reaction. As 
pH decreases from 7 (potable water) to 1 (H2SO4), the 	 †	Trade name.
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polarization curve shifts toward higher current values, 
indicating a marked increase in corrosion rate. 

Polarization Response in Carbonic and Sulfuric 
Acids — Tafel extrapolation was performed on the 
polarization data collected in H2CO3-containing elec-
trolytes and H2SO4 electrolytes (over a range of con-
centrations of both acids) to obtain their corrosion 
potential (Ecorr) and corrosion current density (icorr) val-
ues. As a result, abridged plots are constructed from 
the data obtained. Figure 4 shows the overall results 
of the H2CO3 and H2SO4 tests over the range of acidic 
pH. A further magnified version of the graph, which 
focuses on similar pH values (3.9 to 4.5) for both data 
sets, is also shown (Figure 4 inset).

The polarization response in both acids showed 
similar behavior, indicating that the corrosion 
mechanics (under acidic conditions) are largely pH-
driven, independent of the chemistry between the 
acids. To show that similar mechanistic behavior 
occurs, a plot was made (Figure 5) of the Ecorr vs. icorr 

values, which revealed the trend is anodically driven 
(i.e., decreasing Ecorr with increasing icorr) and holds 
between the two acids, until a critical Ecorr is reached. 

As a further example, there is also very little dif-
ference between the polarization response when com-
paring the polarization curve in both acids adjusted to 
the same pH. This is seen in Figure 6.

The data on the basis of acid concentration are 
depicted in Figure 7.

It can be observed that both acids display a simi-
lar relationship, in which an increase in concentra-
tion increases the corrosion rate (Figure 7). However, 
it can be seen that H2SO4 is ~100 times (i.e., 2 orders 
of magnitude) more corrosive compared to H2CO3 on a 
concentration basis (not pH basis), which is synony-
mous with H2CO3 being a comparatively “weak” acid. 
This has immediate implications, as discussed below, 
in that should other “stronger” acids be able to spe-
ciate in situ owing to impurities, even low concentra-
tions could amplify corrosion disproportionately. 

Figure 4. icorr vs. pH for tests conducted on steel samples in H2CO3 
and H2SO4 at 25°C. 

Figure 6. Potentiodynamic polarization curves collected for steel 
samples in H2SO4 and H2CO3 adjusted to pH 3, 25°C.

Figure 3. Example of a potentiodynamic polarization curve of steel 
samples immersed in potable water and pH 1 H2SO4.

Figure 5. E vs. icorr for tests conducted on steel samples in H2CO3 
and H2SO4 at 25°C.



CORROSION SCIENCE SECTION

045004-6 CORROSION—APRIL 2012

The ability to be able to replicate electrochemi-
cal data for H2CO3 electrolytes using H2SO4 (as in Fig-
ure 6) is important, since it means a much wider pH 
range (and much better control of test pH) can be 
achieved to study mechanistic aspects and electrode 
kinetics in a laboratory setting. As previously men-
tioned, H2CO3 can only be produced in-solution and 
is, hence, very difficult to work with; higher concen-
trations can only be achieved under high pressure (in 
which instances of large matrices of polarization tests 
are difficult to obtain). 

This is experimentally shown in Figure 8, where 
the corrosion rate of steel in supercritical CO2 from 
two other authors was plotted against results obtained 
from steel samples immersed in H2SO4.

From Figure 8, it can be seen that corrosion rate 
results obtained from steel samples in H2SO4 is not 
too dissimilar with those in supercritical CO2—both 
from electrochemical and thickness loss measure-
ments (the latter is discussed further below, but pre-

sented here for completeness). The supercritical CO2 
tests run by both authors are focused around pH 
~3, as a result of a pressure threshold that limits pH 
to ~3, from which point onward is not experimen-
tally or practically feasible. The similarity in corrosion 
rates gives merit to the hypothesis that the corro-
sive property of supercritical CO2 is attributed to the 
high acidity of H2CO3 formed in situ. A higher corro-
sion rate can be seen from experiments run by Ayello, 
et al.,10 which is possibly because of the higher pres-
sures used (75.8 bar compared to 50 bar by Choi and 
Nes̆ić18). We also note that Ayello has performed tests 
in the presence of impurities; however, these were not 
included in Figure 8 since we are looking at the role of 
a single (H2CO3) acid to compare with in Figure 8.

Response in Sulfuric Acid + 0.6 M Sodium Chloride 
(NaCl) — The corrosion rate measured in H2SO4 solu-
tion with and without 0.6 M NaCl additions is seen in 
Figure 9.

As previously shown, the characteristic decrease 
in the rate of corrosion with increasing pH is observed; 
however, there is an incremental increase in the icorr 
measured in the presence of 0.6 M NaCl, with the 
increment being more obvious as pH increased. If 
chemical modeling is carried out (via the use of 
MEDUSA†,25 shown in Figure 10) as a function of con-
centration vs. pH for H2SO4 + 0.6 M Cl–, it can be seen 
that the concentration of H2SO4 starts to decrease 
below pH ~1, and reaches a minimum value near pH 
~4, while there is no species formed in situ that con-
tain or bind Cl–. Consequently, the Cl– is free to 
enhance corrosion.

It is noted that there is an increase in corrosion 
rate with 0.6 M NaCl impurities, although it is more 
evident above pH 4. According to Masamura, et al.,26 
the corrosion rate of carbon steel is affected only 
slightly by NaCl content up to 10% at 150°C and  
5.5 MPa. However, at 20% NaCl, a corrosion rate of  
17 mm/y was reported. This is because of carbonic 

Figure 8. Corrosion rate measurement of steel samples in 
supercritical CO2 (Ayello, et al.,10 and Choi, et al.18) vs. in H2SO4.

Figure 7. icorr vs. concentration of steel samples in H2CO3 and 
H2SO4 at 25°C. 

Figure 9. icorr vs. pH from polarization curves collected for steel 
samples in H2SO4 and H2SO4 + 0.6 M NaCl electrolytes at 25°C. 
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substances that accelerate corrosion of carbon steel 
through their cathodic reactions on the steel surface 
in the low pH region.

Response in Sulfuric Acid + 0.6 M NaNO3 — The 
abridged corrosion results from the tests in H2SO4 + 
0.6 M NaNO3 are given in Figure 11.

Electrochemical results show that NaNO3 impuri-
ties tend to increase corrosion rates when added to an 
acidic environment. However, corrosion rates show a 
steep decline from pH 4.5 onward, unlike results seen 
with Cl– impurities, where corrosion rates stabilized at 
pH 4.

In Figure 12, it can be seen that a system consist-
ing of NO3

– impurities is more complex than a H2SO4 + 
Cl– system. Chemical modeling25 simulation showed 
that the amount of species formed in situ is two times 
that of a H2SO4 + Cl– system.

In particular, HNO3 is formed in this system (in 
situ), possibly lowering the pH in solution even fur-
ther (a test intended for pH 3 could be at a lower pH), 

which could explain the relatively higher corrosion 
rates observed in the presence of 0.6 M NaNO3. 
Among all the impurities (and tests), the corrosion 
rate including NO3

– impurities was the highest. A 
review of the literature indicated that Samiea, et al.,27 
perhaps also have observed synergy between HNO3 
and sulfur-containing solutions.

Response in Sulfuric Acid + 0.6 M Sodium Sulfate 
(Na2SO4) — The third potential impurity tested was 
the addition of additional SO4

2– ions in H2SO4, thus 
increasing the H2SO4 concentration overall. In Figure 
13, a similar trend is observed in which impurities 
showed higher corrosion rates. However, this was only 
observed from pH 3 onward, where pH 1 to 2 showed 
minimal difference despite the increased H2SO4 con-
centration.

Figure 14 shows the corresponding system via 
chemical modeling simulation. In comparison to Fig-
ure 10, results in pure H2SO4 showed a maximum log 
concentration of 10–6 M at pH 1, while the increased 

Figure 11. icorr vs. pH from polarization curves collected for steel 
samples in H2SO4 and H2SO4 + 0.6 M NaNO3 electrolytes at 25°C. 

Figure 10. Log concentration (in M) vs. pH of a H2SO4 + 0.6 M Cl– 
system as calculated via chemical modeling simulation.25

Figure 12. Log concentration (in M) vs. pH of a H2SO4 + 0.6 M NO3
– 

system as calculated via chemical modeling simulation.25

Figure 13. icorr vs. pH from polarization curves collected for steel 
samples in H2SO4 and H2SO4 + 0.6 M Na2SO4 electrolytes at 25°C. 
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concentration of H2SO4 in Figure 14 showed that a 
similar concentration was achieved at a pH as high as 
3. This could explain why the graph showed steady 
corrosion rates after pH 3 with SO4

2– impurities, while 
pure H2SO4 continued to decrease in terms of corro-
sion rate.

According to Choi, et al.,16 addition of 1% SO2 in 
supercritical CO2 dramatically increased corrosion 
rates of carbon steel. Corrosion products on the sur-
face were identified via Raman spectroscopy to con-
tain iron, sulfur, and oxygen. It is hypothesized that 
the formation and reaction of H2SO4 with steel is the 
cause of high corrosion rates in their tests.

In general, the effect of Cl–, NO3
–, and SO4

2– impu-
rities in acidic environments have been proven detri-
mental (in terms of measured icorr values and chemical 
modeling simulation25) to steel. Through chemical 
modeling simulation25 simulation, it was discovered 
that Cl– does not bind to any species formed in H2SO4, 

leaving it free to increase corrosion rates as expected 
for steel corrosion. In contrast, the addition of sodium 
nitrate (NaNO3) showed a more complex system in 
chemical modeling simulation,25 and increased corro-
sion was attributed to the synergistic effect between 
NO3

– and acidic solutions. On the other hand, the 
addition of SO4

2– to H2SO4 further increased the acidity 
of the electrolyte, thus enhancing corrosion.

Weight and Thickness Loss Test Results 
Long-term immersion tests were initially con-

ducted in H2SO4 electrolytes that were adjusted to 
be between pH 1 and 5, followed by repeat tests with 
added impurities (Cl–, NO3

–, SO4
2–). The weight and 

thickness loss results are shown in Figures 15 and 
16, respectively.

It can be seen that weight loss follows a log-linear 
decreasing pattern with increasing pH, where solu-
tions containing impurities show higher corrosion 
rates. It is also noted that the two measures, weight 
and thickness loss, seem to show the same trend. 
Both graphs show a significant amount of weight and 
thickness loss in pH 1 solutions, and more stable and 
lower rates from pH 2 onward.

A similar analysis can be applied to results with 
NO3

– and SO4
2– impurities. The highest corrosion rate 

(weight and thickness loss) is recorded in pH 1 solu-
tions, followed by significantly reduced rates. In 
general, solutions with impurities showed higher cor-
rosion rates compared to H2SO4 alone.

Out of all the impurities, the addition of 0.6 M 
NaCl resulted in the highest corrosion rates in terms 
of weight and thickness loss, followed by an equal 
amount in 0.6 M NaNO3 and 0.6 M Na2SO4, and finally 
lowest in pure H2SO4. Although the addition of SO4

2– 
impurities does not significantly alter weight loss, 
thickness loss results in Figure 16 showed improved 
rates over pure H2SO4 from pH 2 onward.

Figure 16. Rate of thickness loss vs. pH data of steel samples 
immersed in H2SO4, H2SO4 + 0.6 M NaCl, H2SO4 + 0.6 M NaNO3, 
and H2SO4 + 0.6 M Na2SO4 electrolytes at 25°C. 

Figure 15. Rate of weight-loss vs. pH data of steel samples 
immersed in H2SO4, H2SO4 + 0.6 M NaCl, H2SO4 + 0.6 M NaNO3, 
and H2SO4 + 0.6 M Na2SO4 electrolytes at 25°C.

Figure 14. Log concentration (in M) vs. pH of a H2SO4 + 0.6 M SO4
2– 

system as calculated via chemical modeling simulation.25
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Profilometry Results
Following exposure tests to characterize the 

nature and extent of corrosion evolved in acidic elec-
trolytes, data was collected using optical profilometry 
(OP). The reason for this was to assess if the corro-
sion morphology was uniform or localized, and to 
what extent any localization would occur. This has 
direct relevance to pipeline systems where the man-
agement of corrosion differs significantly when corro-
sion is non-uniform and local rates of attack can be 
large. Sample OP images are seen in Figure 17, and 
abridged presentation of OP data is given in Figures 
18 and 19.

From Figure 17, it is evident that the form of 
attack observed did indeed take the form of localized 
corrosion, and pitting was observed. This is revealed 
by the valleys in the OP images, with concomitant 
uniform corrosion throughout. Figure 17 shows that 
an increase in pH from 2 to 4.5 decreases pit density 
and maximum pit depth (–23.7 µm to –12.7 μm), indi-

	 (1)	UNS numbers are listed in Metals and Alloys in the Unified Num-
bering System, published by the Society of Automotive Engineers 
(SAE International) and cosponsored by ASTM International.

cating that there is a relationship between pit activity 
and acid strength (i.e., pH).

Image analysis yields the pitting relevant parame-
ters in Figure 18 (maximum rate of pit depth) and Fig-
ure 19 (average rate of pit depth) in mm/y.

In general, the graphs show minimal difference 
in average pit depth across all pH ranges. However, 
maximum pit depth (Figure 18) across all experiments 
revealed depths measured to exceed a localized corro-
sion rate of 2.5 mm/y, signifying extensive pitting cor-
rosion may occur during these simulated conditions 
that are typical of CO2 corrosion. A common pattern 
for all experiments showed the highest damage in  
pH 1 solutions, followed by decreased depths from  
pH 2 onward.

Experimental tests show that the critical chlo-
ride concentration to initiate pitting in Type 304 (UNS 
S30400)(1) stainless steel is 10–3 M,28 which indicates 
that localized corrosion occurred during the tests  
with Cl– impurities (>1 M). In a separate test, it is 
shown that Cl– ions tend to increase the chances of 
passive film breakdown (rather than inhibit surface 
repassivation).29

Figure 18. Maximum rate of pit depth of steel samples in H2SO4, 
H2SO4 with 0.6 M NaCl, 0.6 M NaNO3, and 0.6 M Na2SO4 at 25°C.

Figure 19. Average rate of pit depth of steel samples in H2SO4, 
H2SO4 with 0.6 M NaCl, 0.6 M NaNO3, and 0.6 M Na2SO4 at 25°C.

Figure 17. Optical profilometry image of steel samples immersed in (a) pH 2 H2SO4 at 25°C and (b) pH 4.5 H2SO4 at 25°C.

(a) (b)
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OP data for H2SO4 in NaNO3 is not too dissimi-
lar to the rest of the OP results, although it is widely 
known that nitrates are a common corrosion inhibitor. 
This is probably because of the co-speciation of acids, 
with nitric acid (HNO3) seen in Figure 12. Experimen-
tal tests have shown that although HNO3 increases 
pitting potential, it is susceptible to crevice corrosion 
in water-containing impurities.30

The highest amount of pitting was found in H2SO4 
with 0.6 M Na2SO4 impurities, where a maximum pit 
depth rate of 3.26 mm/y was recorded.

General Discussion
The area of CO2 pipeline corrosion is a topic that 

will emerge at the forefront of technical challenges 
in the coming years. As a fundamental approach, 
small amounts of H2CO3 and H2SO4 acids were used 
in experimental tests with a selection of impuri-
ties at fixed concentrations. Ultimately, a threshold 
limit in terms of the concentration of all the compo-
nents likely to be in the CO2 pipe stream will need to 
be quantified before any confidence or national stan-
dards in CO2 pipelines can exist.

The elementary tests herein have shown the 
issues that can arise in supercritical CO2 corrosion 
by way of simple tests in aqueous electrolytes. It is 
observed that corrosion is pH- and acid strength-
driven, and that impurities can permit the co-spe-
ciation of additional acids that further lower pH. 
Corrosion rates were shown to increase logarithmi-
cally as pH decreased linearly. We revealed that tests 
in simulated environments give merit for benchmark-
ing and show the wider range of rates that can be 
expected. In all cases, impurities increased the rate of 
corrosion, including thickness and weight loss. Corro-
sion was found be localized in nature, in spite of low 
bulk pH. We observed that the ensuing extent of cor-
rosion is very rapid (i.e., mm/y) in many cases and 
if this work is benchmarked with supercritical CO2 
tests, then a holistic framework for corrosion dam-
age accumulation assessment can be revealed. This is 
essential in the assessment of CCS technology.

Conclusions

Experiments in aqueous electrolytes containing 
H2CO3, H2SO4, and impurities likely to be present in 
CCS streams were investigated. This will begin to 
build a simple knowledge base of information that may 
be useful in simulating supercritical CO2 corrosion. 
The impurities investigated were H2SO4, Cl–, NO3

–, and 
SO4

2–. Results from electrochemical, weight and thick-
ness loss, and profilometry tests show the following:
v  Corrosion kinetics in the presence of H2CO3 are  
pH-driven.
v  Carbonic acid (and H2SO4) corrosion is under 
anodic control. As pH is lowered, the measured corro-
sion rates increase logarithmically.

v  Carbonic acid is 100 times less corrosive compared 
to H2SO4 on a concentration basis, which is expected 
since H2CO3 is a weak acid. NO3

– impurities show the 
highest impact on corrosion rates among all tests con-
ducted.
v  Weight and thickness loss tests revealed that severe 
corrosion occurs in highly acidic solutions. The differ-
ence between pH 1 and pH 2 is about 10 to 15 times. 
This shows rather starkly that co-speciation of acids 
in the presence of impurities (which can lead to a 
decrease in pH) can be very detrimental in terms of 
corrosion.
v  Weight and thickness loss tests revealed that solu-
tions with impurities show relatively stable corrosion 
rates across a pH range of 1 to 5, similarly having 
highest rates in pH 1 solutions.
v  Optical profilometry results suggest that extensive 
pitting occurs during H2CO3/acid corrosion, with all 
tests exceeding a maximum pitting corrosion rate of 
2.5 mm/y.
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